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A B S T R A C T   

CO2 molecular diffusion in underground reservoir fluids, quantified by diffusion (D) coefficient, is of great 
importance for CO2 storage and enhanced oil recovery (EOR) projects. The reported CO2 D coefficients values are 
uncertain due to difficulty of accurately measuring this parameter specifically at high pressure-high temperature 
conditions. Hence, this study aims to investigate the impact of the uncertainty in the value of CO2 D coefficient 
on both oil recovery and CO2 storage during intermittent CO2 assisted gravity drainage (CO2-GAGD) injection in 
oil reservoirs. The impact of the CO2 diffusion on oil compositional changes and fluid distribution in porous 
medium was also investigated here. To do so, using data from a Malaysian oil field, a tuned equation of state 
along with a composition simulation model were used to emphasis on the effect of diffusion during the inter-
mittent CO2-GAGD process. The effects of reservoir permeability, reservoir porosity, injection rate, and soaking 
time on oil recovery and gas storage were tested across different values of CO2 D coefficient. Including the gas 
diffusion in the simulation resulted in enhancement of the gas penetration though the porous medium leading to 
the enhanced oil recovery especially at the final soaking-injection/production cycles of the intermitted CO2 
injection. The lowest impact of the uncertainty in the CO2 D coefficient on the oil recovery and gas storage 
efficiency was found in the high permeability case. Additionally, decreasing the gas injection rate or increasing 
the soaking time magnified the impact of the uncertainty of the CO2 D coefficient. Furthermore, the CO2 storage 
efficiency was found to be highly sensitive to the changes in the D coefficient in the high porosity case. To verify 
the results, the obtained simulation results were compared and found to be consistent with previous findings 
reported in the literature. This study adds accuracy to predicting CO2 EOR and storage projects through un-
derstanding the uncertainty of molecular diffusivity.   

1. Introduction 

CO2-based enhanced oil recovery (CO2-EOR) methods have been 
widely applied in various oil reservoirs around the world to avoid 
drawbacks and technical issues associating with thermal and chemical 
EOR processes. Along with showing a very promising potential in 
improving oil recovery, the CO2-EOR process is considered environ-
mentally friendly as some amounts of CO2 greenhouse gas (GHG) are 
also trapped in the reservoir. The global incentives to reduce the envi-
ronmental impact of the oil and gas operations in general and the EOR 
processes in specific, drive the CO2-EOR projects to gain more attention 
as CO2 gas is considered to have the largest contribution to the green-
house effect and the global warming phenomenon. The CO2-EOR 

process is expected to have a significant contribution to the storage of 
CO2 in hydrocarbon reservoirs by 2050 [1]. Although the CO2-EOR 
process provides a reliable option for a long-term CO2 storage in un-
derground formations, various operational and technical issues for CO2- 
EOR projects need to be considered and evaluated for a specific field [2]. 
Additionally, operational parameters, such as gas injection strategy and 
pattern, need to be designed in order to co-optimize CO2 storage and 
EOR [3]. 

Recent experimental and numerical studies have shown that CO2 
injection in hydrocarbon reservoirs can feasibly increase oil recovery 
and result in a long-term underground carbon storage and sequestration 
[4–7]. Oil swelling, oil viscosity reduction, interfacial tension (IFT) 
reduction, wettability alteration, and extraction of light and 
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intermediate oil components by the injected CO2 are the main oil re-
covery mechanisms that may exist during CO2 injection in oil reservoirs 
[8–13]. Although the dominance of these recovery mechanisms is 
mainly based on reservoir conditions, i.e., pressure and temperature, 
and reservoir fluid and rock properties, the performance of any gas in-
jection process is driven by complex mutual mass transfer phenomena 
between the injected gas and the reservoir fluids. Both convective 
dispersion and molecular diffusion are two main types of mass transfer 
that can coexist during gas-oil interactions in a hydrocarbon reservoir 
that may lead to improvement in oil properties, and hence higher oil 
recoveries [14]. In this study, we focus on modeling the effect of the 
molecular diffusion process on the performance of gas (CO2) injection 
projects. 

In general, mass transfer by molecular diffusion occurs by random 
motion of molecules existing inside a certain system. The molecular 
diffusion process can be driven by concentration or temperature 
gradient or even chemical potential, magnetic, or electric fields [15]. 
Fick described the molecular diffusion process by introducing a relation 
between mass flux and concentration gradient in Fick’s first law. The 
diffusion coefficient, which is defined as the diffusing mass though a unit 
area per unit time per unit concentration gradient, is used to quantify the 
mass transfer by molecular diffusion in a certain medium. In other 
words, the diffusion coefficient is the proportionality constant that re-
lates the diffusive flux to the concentration gradient [15]. The molecular 
diffusion coefficient, D, is a crucial parameter in petroleum engineering 
application as the gas molecular diffusion process in gas injection pro-
jects is mathematically modeled using the diffusion coefficient param-
eter. Despite being a very important parameter in modeling gas 
injection, determination of the D coefficient was found to be an inevi-
table challenge. 

Unfortunately, there is no universally standard method/approach for 
measuring or calculating the gas diffusion coefficient. However, the D 
coefficient has been determined in the literature for various fluid–fluid 
systems or even in porous media though different experimental setups 
and mathematical models [14]. The experimental measurements of gas 
diffusivity are divided into direct (conventional) and indirect (non- 
conventional) methods [16]. In the direct diffusion measurement 
methods, compositional analysis is conducted for several fluid samples 
collected frequently from different locations during running the diffu-
sion test. The concentration distribution is measured for each sample 
through chromatographic analysis, and hence the gas diffusivity is 
determined. The direct method could be system intrusive and expensive 
process. Additionally, unavoidable errors during measurement such as 
liquid vaporization can lead to inaccurate results. Several studies pro-
pose alternatives (indirect methods) to the direct methods in order to 
experimentally measure the gas diffusivity in gas–liquid systems with 
more simple and reliable measurement procedures. The indirect deter-
mination of gas diffusivity relies on measuring a property of the system 
that changes due to the gas molecular diffusion process. This property 
can be system pressure in the pressure decay (constant volume) method 
[16–19], liquid volume or IFT in the pendant drop method [20,21], and 
gas–liquid interface velocity in the constant pressure method [22,23]. 
Additionally, nuclear magnetic resonance (NMR) and X-ray computer 
assisted tomography (CAT) technologies can be applied to measure 
solvent concentrations in liquid phase, and therefore obtain gas diffu-
sivity [24–26]. It is worth mentioning here that all the aforementioned 
experimental measurement methods require a mathematical diffusion 
model in order to interpret the experimental data and estimate the value 
of diffusion coefficient. It is also noticeable from the data available in the 
literature that wide ranges of D coefficient are estimated for the same 
gas–liquid system, e.g., CO2-oil system, under similar experimental 
conditions (pressure and temperature). This discrepancy in the D coef-
ficient values is due to both the different experimental methods applied 
to measure gas diffusivity in liquids and the various mathematical 
models used to interpret the experimental results [14]. Each of the 
proposed diffusion measurement method is associated with various 

sources of errors that need to be considered for a successful imple-
mentation. Additionally, most of the developed mathematical diffusion 
models in previous studied are based on simplified assumptions that 
might incorporate inaccuracy in the estimated D coefficients. 

Some previous studies have proved that the role of mass transfer by 
molecular diffusion is vital in understanding recovery of oil during CO2 
injection in oil reservoirs [27–32]. Kovscek et al. [33] investigated the 
oil recovery by conducting a series of secondary CO2 core flooding tests 
in low permeability cores. X-ray computed tomography was used to 
visualize the CO2-oil mutual interactions during the tests. They found 
that diffusive mass transfer mechanism had a significant role during the 
oil recovery process. Yang et al. [12] have conducted lab experiments to 
measure dynamic and equilibrium interfacial tension of oil, brine and 
CO2 system at different pressure and temperature conditions using the 
axisymmetric drop shape analysis (ADSA) technique. They found that 
CO2 dissolution in the crude oil causes a clear reduction in both the 
measured dynamic and equilibrium interfacial tensions. Mosavat and 
Torabi [13] have performed several experiments in an oil-wet glass 
micromodel to investigate the effect of CO2 diffusion on wettability 
during carbonated water injection (CWI). They have concluded that the 
wettability alteration was believed to be initiated by diffusion of CO2 
from the brine into the oil ganglia. As such, CO2 molecules diffuse into 
the oil phase that affects the oil-rock interactions leading to wettability 
alteration towards a water-wet condition. Lie [34] investigated the oil 
recovery process by CO2 diffusion during miscible CO2 injection in a 
series of artificially fractured cores.11C tracer was used in the injected 
CO2 phase to enable dynamic visualization of the fluid flow using CT 
scan. The CT images proved that CO2 diffusion from the fracture to the 
matrix saturated with oil was the dominant oil recovery mechanism. 
Additionally, the core flooding tests were matched with a numerical 
simulation model and a sensitivity analysis was conducted on formation 
porosity and permeability, and diffusion coefficient. The results showed 
that the porosity and the diffusion coefficient were highly impactful on 
the diffusion process, while the permeability had a marginal role in the 
diffusion process of that core-scale system. Moortgat et al. [35] high-
lighted the effect of CO2 molecular diffusion by conducting three core 
flooding tests in horizontal and vertical systems. They used a low in-
jection rate in their study, i.e., 1 PV/day, to study the diffusion process. 
Furthermore, numerical simulations were used to compare the oil re-
covery and the fluid distribution with and without considering the CO2 
diffusion. The results showed that the diffusion process dampened the 
instabilities in the fluid propagation through the core and increased the 
recovery factor during the injection process. Riazi et al. [36] used high 
pressure visual micromodels to investigate fluid interactions and CO2 
diffusion during CWI as secondary and tertiary recovery methods. Their 
results showed that CO2 diffusion resulted in oil swelling and coalescing 
of the disconnected oil ganglia, which caused fluid redistribution and 
improvement in the displacement efficiency. In a different study [37], 
they also addressed the importance of the mass transfer process during 
CWI. Their results showed that the CWI improved the sweep efficiency 
and caused a reduction in oil viscosity by diffusion of CO2 from the water 
phase (carbonated water) to the reservoir oil. Eide et al. [38] showed 
that diffusion is a viable oil recovery mechanism during miscible CO2 
injection in fractured chalk reservoirs. They used X-ray CT to obtain 
time-averaged density distribution images of the core sample during the 
CO2 injection process. Thereafter, fluid saturation profiles were pro-
duced by assuming a linear relationship between the measured CT 
numbers (i.e., X-ray attenuation) and the fluid saturation. The dynamic 
3D fluid saturation profiles were used to calculate the effective diffusion 
coefficients using an analytical model. They also used a simplified 
fractured carbonate model to study the effect of molecular diffusion on 
oil recovery. Their results showed that diffusion is more effective at low 
irreducible water saturations (Swir) and at high fracture density values. 
Norouzi et al. [4] investigated the main oil recovery mechanism during 
secondary and tertiary gas injection. They comprehensively studied the 
time required by CO2 to rapture the water film that is shielding the oil 
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trapped in a porous medium during tertiary CO2 injection. The rapture 
time was experimentally measured and matched with an analytical 
model. They found that the CO2 diffused into the water film and trans-
ferred to the trapped oil, resulted in oil swelling, and consequently 
raptured the water film leading to oil recovery improvement. Their re-
sults highlighted the effect of the gas molecular diffusion on the oil re-
covery during tertiary gas injections and its impact on the water 
shielding phenomenon. Similarly, Grogan and Pinczewski [11] exam-
ined the role of molecular diffusion in the mobilization of post- 
waterflood residual oil at the micro and macro scales using a labora-
tory micromodel, core flooding experiments, and a numerical model. 
They found that molecular diffusion plays a dominant role in the re-
covery of residual oil at the micro or pore-scale, but at large scales, 
molecular diffusion plays a minor role in the oil recovery due to the 
effects of gravity segregation, reservoir stratification, and the unfavor-
able mobility ratio (viscous fingering) in tertiary field floods. 

Alfarge et al. [39] and Jia et al. [5] reviewed CO2-EOR processes in 
shale oil reservoirs. They found that molecular diffusion is the most 
common EOR mechanism in unconventional reservoirs. Mahzari et al. 
[40] studied CO2-EOR in shale reservoirs using analytical models and 
numerical simulations. They found that CO2 diffusion into a shale 
reservoir saturated with a live oil caused a liberation of light hydro-
carbon components that form a distinct gas phase in the reservoir. This 
phenomenon led to significant improvements in both oil recovery and 
gas storage as the released gas could cause the local pressure to increase 
in the reservoir. Santiago and Kantzas [41] investigated the role of 
molecular diffusion in the performance of cyclic gas injection in un-
conventional condensate reservoirs. The numerical simulation results 
showed that the gas diffusion enhanced the spreading of compositional 
bank that was formed due to condensate vaporization and moved ahead 
of the gas displacing front. As a consequence, heavier hydrocarbons 
remained longer in the gas phase, i.e., liquid dropout was delayed, 
which facilitated their recovery. Badrouchi et al. [42] experimentally 
studied CO2 Huff-n-Puff (HnP) process using core samples collected from 
a tight oil reservoir. The results illustrated that gas diffusion was found 
to be the primary oil recovery mechanism during CO2 injection in tight 
formations. Additionally, they found that splitting the single cycle HnP 
process into three successive cycles, made the role of CO2 diffusion more 
dominant, and hence, resulted in a higher oil recovery. Gamadi et al. 
[43]investigated the performance of cyclic CO2 injection in shale oil 
reservoirs. The core flooding results showed that increasing the soaking 
time had a positive impact on improving gas diffusion in the ultra-low 
permeability shale formation. Hence, the longer the soaking time, the 
higher the oil recovery. In a different study, Wan et al. [44] conducted 
experimental tests and numerical simulations on cyclic gas injection in 
liquid rich shales. Their results also showed the significant role of 
increasing the shut-in period, i.e., soaking time, on the ultimate oil 
recovery. 

Seyyedsar et al. [45] investigated the performance of intermittent 
CO2 injection in an extra-heavy oil reservoir. The intermittent CO2 in-
jection strategy aimed to improve the gas diffusion into the crude oil, i. 
e., the gas-oil contact time, as the intermittent strategy cycles between a 
gas injection period and a soaking period. Their results showed that the 
soaking alternating gas injection cycles resulted in a significant 
improvement in both oil recovery and optimized CO2 utilization when 
compared to the continuous CO2 injection performance. In a different 
study, Seyyedsar et al. [46] noticed a pressure drop during the first 
soaking period of intermittent CO2 injection in a high permeability core 
sample saturated with a live crude oil. This pressure drop was an indi-
cation of gas diffusion into the reservoir fluids while the reduction in 
pressure decreased in the successive cycles as the crude oil became more 
saturated with the injected CO2. It is worth mentioning here that the 
intermittent gas injection not only has the advantage of improving the 
contact time between the injected gas and reservoir fluids, but also it 
avoids the drawbacks of the huff and puff gas injection method such as 
the limited drainage area around the injection/production well. 

In the light of the above-mentioned literature review, gas diffusion 
has a significant impact during gas injection in EOR processes, especially 
in fractured and tight formations where fluid velocities are low and 
convective flow is marginal. It plays an important role in coalescing the 
disconnected oil ganglia and recovering the trapped oil behind water 
shields after water flooding. It was also found that having a soaking 
time, i.e., shut-in period, after gas injection, can boost the gas diffusion 
performance in oil reservoirs. Thus, ignoring or undermining the diffu-
sion process, or inaccurately quantifying the mass transfer by diffusion, 
for example using an inaccurate D coefficient value during simulating 
gas EOR processes, can lead to over- or under-estimation of the oil re-
covery factor. Nevertheless, as it was previously discussed, most of the 
available mathematical diffusion models are based on different as-
sumptions, and various experimental setups were used to measure gas 
diffusivity in reservoir fluids. This, definitely, leads to a wide range of 
CO2 diffusion coefficients available in the literature for the same systems 
at similar operating conditions. Additionally, in order to include the 
diffusion process during modeling gas injection in oil reservoirs, the 
molecular diffusion coefficients need to be considered along with the 
rock tortuosity and porosity, as the effective diffusion coefficient is 
required, i.e., diffusion coefficient in porous media. The conversion of 
diffusion coefficients into their effective values might impose an addi-
tional source of error. Therefore, it is essential to comprehensively 
investigate the impact of uncertainties in the measured values of CO2 
diffusion coefficients under real reservoir conditions. Previous studies 
investigating CO2 diffusivity in reservoir fluids either focused on 
developing mathematical diffusion models, experimental techniques, 
and empirical correlations to obtain CO2 diffusion coefficients or high-
lighted the impact of the diffusion process during CO2 injection in oil 
reservoirs with certain values of D coefficients using compositional 
simulation models. However, the effect of the uncertainties in the values 
of the CO2 diffusion coefficient, that may result from the prementioned 
sources of errors, still needs more investigation for CO2-EOR projects. 
Hence, in this study, we investigate the impact of the uncertainty in the 
value of CO2 diffusion coefficient on both oil recovery and gas storage 
during CO2 injection in oil reservoirs. Additionally, the impact of the 
CO2 diffusion on oil compositional changes and fluid distribution in 
porous medium is also investigated here. To achieve our objective, a 
tuned equation of state (EOS) along with a composition simulation 
model are used to emphasis on the effect of diffusion during intermittent 
CO2 gas assisted gravity drainage (CO2-GAGD) process. It is worth 
mentioning here that the fluid and reservoir properties used in this study 
are representing an oil field located in Malaysia. Hydrocarbons are 
trapped in stacked sand bodies separated by sealing shale layers. The 
whole field is bounded by two growth faults, i.e., structural traps, in the 
north and the southern parts of field. Scanning Electron Microscope 
(SEM) analysis showed that the sandstones, quartz is the dominant 
mineral amongst the frame-working grains. The selected reservoir is 
interpreted as a sheet sand with average porosity of 20 %. The average 
temperature of the reservoir is 204◦F. The PVT sampling history showed 
that the reservoir fluid type is light oil, and the reservoir has no original 
gas cap. The reservoir has been cored in three wells and the data were 
used for reservoir characterization. 

The next section presents the methodology, which is divided into 
governing equations, tuning of the equation of state parameters, and 
description of the simulation model for CO2 injection in an oil reservoir 
from Malaysia. This is followed by the results of the EOS tuning and 
matching the experimentally measured PVT data. Thereafter, the CO2- 
GAGD intermittent injection simulation results and an uncertainty 
analysis in CO2 diffusion coefficients during the CO2 flooding process are 
comprehensively discussed, and the simulation results are compared to 
previous findings of studies available in the literature. Finally, the main 
findings of this study are presented. 
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2. Methods 

2.1. Mathematical formulations 

This study uses the CMG-GEM software, developed by CMG ltd, to 
simulate multi-phase and multi-component flows coupled with solubil-
ity, dispersion, and diffusion of the multi-components in the aqueous 
phase. In this section, we present the component material balance 
equations solved by the numerical simulator. The equations of fluid flow 
in porous media are based on Darcy’s law. The conservation equations 
for different species are shown below [47,48]. 

∂
∂t

(

φ
∑Np

l=1
ρlSlwil

)

+∇.

(
∑Np

l=1
(ρlwilul − φSl De− il ∇(ρlwil))

)

− ri = 0,

i = 1, 2,⋯,Nc (1)  

where φ is the reservoir porosity, ρl and Sl are the density and saturation 
of phase l, respectively. ri is the source or sink term (mass rate of in-
jection or production per unit volume). Nc and Np are the number of 
components and number of phases, respectively. wil is the mass fraction 
of component i in the phase l. ul is the Darcy’s velocity, which is defined 
by Eq. 2. 

ul =
− k
μl

(∇pl − ρlg) (2)  

where k is the effective permeability. μl and pl are the viscosity and 
pressure of phase l, respectively. 

De− il is the effective diffusivity of component i in phase l, as given in 
Eq. 3. 

De− il =
Dil

τ* (3)  

where τ* is the tortuosity factor of the porous medium. Dil is the diffusion 
coefficient of component i in the phase l in non-porous media. 

2.2. Tuning the EOS parameters 

An accurate fluid characterization is essential for a reliable 

simulation of gas injection and to correctly highlight the role of gas 
diffusivity in porous media. Compositional simulation relies on a PVT 
model to predict the oil properties changes during CO2 injection; 
therefore, we tuned an equation of state (EOS) based on laboratory 
measured pressure–volume-temperature (PVT) properties to be later 
used in simulation of CO2 flooding. The fluid properties measurements 
of a light dead crude oil (from a Malaysian field) mixed with CO2 gas 
that were conducted in our pervious study [49] are used here. Fig. 1 
shows a bar chart that illustrates the crude oil compositions. The dead oil 
had a density and viscosity equal to 812.9 kg/m3 and 2.21 mPa.s, 
respectively, which were measured at atmospheric pressure and room 
temperature. More details on the measured CO2-light oil phase behavior 
and mutual interactions can be found in our previous study [49]. To tune 
the EOS model, CMG-WinProp was used first to history match the 
measured original oil and mixture properties, and also to simulate the 
behavior of the mixture and the mutual interactions between CO2 and 
the light crude oil at various pressures. Ping-Robinson EOS was used to 
match the laboratory measured data. 

At first, the crude oil components were lumped into six groups based 
on the original oil composition to reduce the run time. The lumped 
hydrocarbon components are defined as follows: (C1-C3), (C4-C8), (C9- 
C15), (C16-C21), (C22-C29), and (C30+). The initial properties of the 
lumped oil components, such as the critical pressure and temperature, 
specific gravity, etc., were calculated based on the mixing rules of Lee 
and Kesler [50]. Then, CMG-WinProp was used in regenerating the 
measured PVT data. The PVT data used during the tuning process 
include original oil viscosity, oil swelling, CO2 solubility, and mixture 
viscosity. It should be noted that the lumped oil components were input 
as a primary phase and CO2 phase was input as a secondary phase in the 
PVT model. 

Regression analysis was found to be important in order to match the 
measured properties of the CO2-oil system. Hence, several regression 
runs were conducted on the thermodynamic properties of the lumped 
pseudo-components of the crude oil to tune the EOS of the PVT model. It 
should be also noted that the minimum miscibility pressure (MMP) was 
calculated using WinProp CMG and matched with the experimentally 
measured value based on the vanishing interfacial tension (VIT) method. 

 

0

2

4

6

8

10

12

C
1

C
2

C
3

iC
4

nC
4

iC
5

nC
5

C
6

C
7

C
8

C
9

C
10

C
11

C
12

C
13

C
14

C
15

C
16

C
17

C
18

C
19

C
20

C
21

C
22

C
23

C
24

C
25

C
26

C
27

C
28

C
29

C
30

+

W
ei

gh
t p

er
ce

nt
, %

Crude oil components

Fig. 1. Weight percentages of crude oil components [49].  
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2.3. Reservoir simulation-model description 

A compositional reservoir model that has a dimension of 550ft ×
825ft × 70ft, corresponding to length, width, and height, respectively 
was created using CMG-GEM. A Cartesian grid system is incorporated 
that is optimized in grid cell number by having 55 grid cells in I direc-
tion, 55 grid cells in J direction, and 10 layers in K direction. This 
gridding arrangement was obtained after running a sensitivity analysis 
on grid cell count to have the results independent to the number of grid 
cells (to remove the impact of grid cell size on numerical solution). In 
other words, oil recovery, gas storage, and oil compositional changes did 
not show noticeable changes with increasing the number of grid cells in 
the I, J, and K directions above a certain limit. The porosity for the base 
case is 20 %. While the permeability in I and J directions are equal, i.e., 
30 mD, and in K direction is equal to 10 mD. These values of reservoir 
properties and the described-above fluid properties were selected based 
on the measured properties of core plugs and fluid samples collected 
from one of the fields in Malaysia [6]. The water–oil and gas–liquid 
relative permeability curves (Kr) are generated using Corey’s correla-
tion. The connate water saturation is considered 20 %, the irreducible oil 
saturation for the gas–liquid system is 5 %, and the connate gas satu-
ration is 5 %. Corey’s model was able to fit the experimentally measured 
relative permeability data. Corey’s exponents used in generating the Kr 
curves are considered 2. The reservoir model data are summarized in 
Table 1. It should be noted that the CO2 solubility and diffusion into 
reservoir fluids are allowed in the built compositional model. In CMG- 
GEM, the aqueous solubility of the CO2 gas is determined by equating 
the fugacities in the aqueous and gaseous phases. The fugacity of 
gaseous components in the gas phase is obtained by the equation of state 
(Peng-Robinson EoS)while Henry’s law calculates the fugacity in the 
aqueous phase [51]. The gas diffusion process into reservoir fluids is 
activated by inputting the diffusion coefficient as previously described 
in section 2.1. 

The initial reservoir pressure and temperature are 2500 psi and 
204F, respectively. The calculated original oil in place (OOIP) is 884.528 
MSTB. The boundary conditions of the reservoir model are selected as 
no-flow boundary conditions in all directions to mimic the reservoir 
conditions as the reservoir layer is surrounded by sealing faults and 
shale barriers. The CO2 flooding process is implemented with three 
vertical injectors and one horizontal producer, as depicted in Fig. 2. The 
injection and production well types, locations, and perforations, are 
selected to simulate the gas assisted gravity drainage (GAGD) process. 
During the GAGD-EOR process, the gas is injected using vertical wells 
located at top layers of the reservoir, while the oil production occurs 
though a horizontal producer located at the bottom of the pay zone [52]. 
Hence, in our model, the three injectors are perforated vertically across 
the top three layers of the reservoir and the producer is perforated 
horizontally in J direction at the bottom of the reservoir, i.e., at ninth 
layer, as shown in Fig. 2. The injectors were operating with two con-
straints: surface injection rate (qinj) and bottom hole pressure (BHP). The 
injection rate was set at 130 Mft3/day in the base case and BHP for the 

injector was 7000 psi. On the other side, the producer was operating 
with one constraint, which is the BHP, set at 2500 psi. The CO2 is 
injected through the vertical injectors by applying intermittent CO2 in-
jection strategy which cycles between an injection period and a soaking 
period [53]. The intermittent CO2 injection strategy was applied in this 
study to enhance the contact time between the injected CO2 and the 
reservoir fluids, and consequently, the CO2 diffusion role is more 
dominant compared to continuous CO2 injection strategy. The inter-
mittent injection scenario for the base case can be described as 
following: after a period of four years of continuous CO2 injection, the 
producer and injectors were shut-in for a halt period of one year, fol-
lowed by three years of CO2 injection and fluid production. Then, two 
cycles of soaking alternating CO2 injection for three years each stage, 
and one cycle for seven years, were applied. In the final cycle, the wells 
were shut-in for 10 years, followed by CO2 injection/reservoir fluid 
production for 14 years. As can be observed, the soaking period was 
designed to be gradually increased towards the end of the oil production 
process. This procedure was followed to improve the oil recovery by 
both gravity drainage and gas molecular diffusion, as the crude oil 
saturation becomes lower at the end of the intermittent injection pro-
cess. In this study, the total soaking time for the base case is named (To) 
to be used as a sensitivity parameter in the following sections. 

3. Results and discussions 

3.1. Summary of EOS tuning 

As it was mentioned above, several regression runs were performed 
to achieve a reasonable match between the simulated and the measured 
PVT data. During the regression process, the regression variables were 
selected to only consider the variables that have significant effects on the 
model results and excluded any other variable that has no effect on the 
matching results. The main parameters that were used in the regression 
process included: critical pressure (Pc), volume shifts, acentric factor (ω), 
and mutual interaction coefficients between CO2 and crude oil pseudo- 
components. The lumped hydrocarbon components are defined as fol-
lows: (C1-C3), (C4-C8), (C9-C15), (C16-C21), (C22-C29), and (C30+), 
with corresponding mole fractions: 0.002736, 0.327249, 0.479506, 
0.14281, 0.034414, and 0.013285, respectively. Table 2 shows the final 
properties of the lumped pseudo-components of the light crude oil after 
the regression analysis. 

The results of matching the PVT model with the experimental data, 
and also the error percentages are shown in Figs. 3, 4, 5 and 6. The error 
percentage can be calculated as follows: Error (%) = ((measured −
calculated)/measured) × 100. The shown below figures present various 
PVT properties include oil viscosity, saturation pressure, swelling factor, 
and mixture viscosity. It can be observed in Fig. 3 that the PVT model 
could match the measured original oil viscosity with a maximum error of 
2.9 %. The experimentally measured saturation pressure shown in Fig. 4 
was also matched but with error percentages various between 0 and 15 
%. The measured swelling factor and the mixture viscosity were repro-
duced by the PVT model and the maximum relative errors were 1.7 % 
and 3.6 %, respectively, as shown in Figs. 5 and 6. As can be observed 
from the figures below, good matches were obtained between all the 
measured and simulated values of the original oil properties and also of 
the CO2-oil system. It should be noted that the minimum miscibility 
pressure (MMP) was calculated with the software as 2225 psi, which is 
matching with the experimentally measured value [49]. In the next step, 
the tuned PVT model is exported to CMG-GEM compositional simulator 
to simulate the CO2 flooding scenarios. 

3.2. CO2 flooding simulation results 

We performed several case studies for intermittent CO2-GAGD 
simulation by considering different reservoir properties and operating 
conditions. At first, a base case was set up as described previously. The 

Table 1 
Reservoir model data.  

Property Value Unit 

Initial reservoir pressure 2500 psi 
Reservoir temperature 204 ◦F 
Porosity 20 % 
Horizontal permeability 30 mD 
Vertical permeability 10 mD 
Initial water saturation 20 % 
Total compressibility 1 × 10-6 psi-1 

Model dimensions (I × J) 550 × 825 ft 
Reservoir model thickness 70 ft 
Grid cell number (I × J × K) 55 × 55 × 10 __ 
Boundary conditions (BC) No flow BC __ 
Injection rate 130 Mft3/day  
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effect of CO2 molecular diffusion on the reservoir fluid compositional 
changes and the subsequent impact on the oil recovery is investigated 
using the base case model. Secondly, in order to quantify the influence of 
the uncertainty in CO2 diffusion coefficient on both oil recovery and 
amount of CO2 storage during CO2 flooding, we conducted a combined 
sensitivity analysis using different values of D coefficients, for various 
cases with different reservoir properties and operating conditions. For 
each case, three values of CO2 diffusion coefficient in the oil phase were 
used, i.e., the measured value of the diffusion coefficient obtained from a 
previous study [54], plus a higher and lower value of the D coefficient 
(to represent uncertainty 50 % of the measured value of D). It is worth 
mentioning here that the base value of the CO2 diffusion coefficient used 
in this paper was previously measured for the same oil sample (same 
composition as that used in the PVT model) at similar reservoir condi-
tions [54]. Additionally, the oil recovery and gas storage were investi-
gated for all the cases without considering the diffusion process. Hence, 
four simulation runs were conducted for each case, i.e., one run without 
diffusion and three runs with different values of D coefficient, and the 
corresponding changes in oil recovery and CO2 storage were monitored. 
Table 3 shows the model input parameters used in the sensitivity anal-
ysis and the base case setup. It should be noted that only one parameter 
is changed at each time. The effect of reservoir porosity, reservoir 
permeability, injection rate, and soaking time were also tested. The ef-
fect of reservoir porosity and permeability were investigated in cases 
(1–4) by considering high and low values for each property. The effect of 
CO2 injection rate was investigated in cases 5 and 6, however, it should 
be noted that all the cases have the same cumulative volume of gas 
injected. Hence, the injection time was adjusted to have the same total 
volume of gas injected at the end of each case. The soaking time for the 

base case, To, illustrated previously in this paper, was decreased to half 
of its value and increased two folds in case 7 and case 8, respectively, to 
investigate the effect of the soaking time on the diffusion process. While 
case 9 was run as continuous CO2 injection without soaking periods. The 
measured value of the CO2 diffusion coefficient in the light oil phase, 
obtained in our pervious study [54], was 80 × 10-9 m2/s. A higher value 
and lower value of the diffusion coefficient are set as 120 × 10-9 m2/s 
and 40 × 10-9 m2/s, respectively, i.e., 50 % uncertainty in the measured 
D coefficient value. The effective diffusion coefficient in porous medium 
(De) was calculated using the following equation (Eq. (4)) [55]: 

De =
D

F.φ
(4) 

The formation resistivity factor (F) is calculated from an empirical 
correlation for sandstone reservoirs: F = 1.45 φ− 1.54 [56]. 

It should be noted that the resistivity factor-porosity term (F.φ) is 
described by the rock tortuosity (τ), through this relation: F.φ = τ2 

[14,57]. τ is defined as the average length of the diffusive pathway 
between two points to the shortest distance of those points in a porous 
medium. τ* = τ2 is known as the tortuosity factor as in Eq. 3. It can be 
understood that the tortuosity factor, which differs from a formation to 
another, highly affects the De coefficient that controls the diffusive mass 
transfer rate in porous media. It is also worth mentioning that in this 
study, for both cases 1 and 2, the De is a function of the porosity values as 
it was previously discussed. 

3.2.1. Base case 
In this section, we emphasize the role of the diffusive mass transfer 

process of the injected CO2 during simulating intermittent CO2 injection. 

Fig. 2. Illustration of well completions used in CO2 flooding scenarios.  

Table 2 
Various properties of the pseudo-components of the crude oil after regression.  

CLumped C1-C3 C4-C8 C9-C15 C16-C21 C22-C29 C30+

Composition (mole fraction)  0.002736  0.327249  0.479506  0.14281  0.034414  0.013285 
Specific gravity (SG)  0.49928  0.72346  0.80227  0.85472  0.88784  0.91114 
Critical pressure (Pc), MPa  4.277  3.1  2.28  1.6  1.219  0.9784 
Critical temp (Tc), K  366.74  543.08  655.66  757.46  830.13  885.44 
Acentric factor (ω)  0.149  0.315  0.619  0.847  0.958  1.118 
Volume shifts  0.000  − 0.1283  − 0.1389  − 0.1925  0.000  0.000 
Molecular wt. (g/mol)  43.360  96.874  156.169  246.855  333.52  412.798  
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As it was described above, the base case model was run with and without 
considering the gas diffusion process. Fig. 7 presents a 3D view of the gas 
saturation distribution, for the no diffusion case, at a cutting plane of J 
= 19, after 28 years of intermittent injection. Fig. 7 also clearly shows 
the completions of both the vertical injectors and the horizontal pro-
ducer. In order to have a representative monitoring of the diffusion ef-
fects during the gas front propagation from the vertical injectors moving 
towards the horizontal producer, a vertical cross section plane at J = 19 
was selected and the results were presented at the middle of the CO2 
flooding period (28 years). Hence, the next figures will be presented at 
the same cross-section plane (J = 19) after 28 years of intermittent in-
jection of CO2 to highlight the effect of diffusion on gas saturation dis-
tribution and fluid compositional changes. Fig. 8 and Fig. 9 show the 
CO2 saturation distribution and CO2 global mole fraction observed at IK 
view of the vertical cross-section of the reservoir model, (at J = 19), after 
28 year of intermittent CO2 injection. Hence, Fig. 8 presents only gas 
phase saturations, while Fig. 9 shows the overall mole fraction of CO2 in 
all phases exist in the reservoir, i.e., gas, oil, and aqueous phases. One 
can observe in Fig. 8 that the CO2 saturation profiles with and without 

considering gas diffusion are indistinguishable. The gas phase saturates 
the top section of the reservoir model due to the density difference be-
tween the injected CO2 and the reservoir fluids. However, the gas 
diffusion effect can be easily observed in Fig. 9 as the overall CO2 
composition (mole fraction) is almost zero at the bottom part of the 
reservoir for the no diffusion case. While, with considering the diffusion 
process using the measured CO2 diffusion coefficient value, the injected 
CO2 could diffuse and dissolve into the underlying crude oil, as depicted 
in Fig. 9.b. In order to further highlight the CO2 diffusion effect during 
the CO2 intermitted injection, the changes in CO2 oil mole fraction were 
presented for a representative gride cell far away from the injectors, i.e., 
at cell (30, 19, 8) that corresponds to the cell order in I, J, and K di-
rection, is shown in Fig. 10. Three values of D coefficient were used in 
the simulation as it was previously discussed. It can be seen in Fig. 10 
that the no diffusion case did not result in a noticeable CO2 in the crude 
oil composition over the duration of the gas injection process. However, 
by increasing the D coefficient values in the simulation model input, the 
CO2 component in the reservoir crude oil composition was significantly 
improved. This was definitely reflected on the oil recovery as can be 
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Fig. 3. Matching results of crude oil viscosity after regression: (a) simulated and measured viscosity values at various pressures, (b) error percentages.  
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observed in Fig. 11. It can be also observed from Fig. 11 that the effect of 
the CO2 diffusion becomes more significant at the final soaking- 
injection/production cycles of the intermitted CO2 injection. This illus-
trates the role of contact time between the injected gas and the reservoir 
fluids in dominating the diffusion role, and hence, improving the oil 
recovery. The results here are consistent with the results reported in Li 
et al. [58] study. Li et al. [58] studied CO2 huff and puff in a shale oil 
formation. Their results showed that considering the CO2 diffusion 
resulted in a higher oil recovery due to the higher penetration depth of 
the injected gas. Additionally, CO2 diffusion coefficient in the oil phase 
was found to have the main impact on the gas penetration depth and the 
oil recovery. 

Effect of CO2 D coefficient on oil recovery and CO2 storage. 
The effect of the uncertainty in the D coefficient, during CO2-EOR 

projects, is not well-studied in most of the previous studies. In this 
section, we present the results of oil recovery factor and total CO2 
trapping efficiency for different values of CO2 diffusion coefficient. 
Hence, a sensitivity analysis on the D coefficient was conducted for the 

cases presented in Table 3. 
The oil recovery factor ( RF = Volume of oil recovered

Volume of original oil in place× 100) for various 
cases, is presented in Fig. 12. On the other hand, Fig. 13 shows the in-
cremental oil recovery factor due to the gas diffusion process, calculated 
as the difference between the total oil recovery by CO2 flooding with 
including the gas diffusion and the total oil recovery without including 
the diffusion (Incremental RF = RFDiffusion − RFNo Diffusion). Therefore, 
Fig. 13 clearly highlights the effect of changing of the D coefficient on 
the oil recovery for various reservoir properties and operating condi-
tions. As expected, increasing the CO2 diffusion coefficient resulted in an 
improvement in the oil recovery for all the cases (see Figs. 12 and 13). 
For instance, in the base case, the total oil recovery factor without 
diffusion is 57.5 %, while considering the experimentally measured CO2 
diffusion coefficient increased the RF to 68.9 %, i.e., 11.4 % improve-
ment in the oil recovery. Similarly, Zou [59] simulation results showed 
that increasing the D coefficient ten folds resulted in an increase in the 
RF by 11.22 %, during CO2 huff and puff process in shale oil reservoirs, 
which agrees with the results presented here. It is obvious in Fig. 12 that 
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decreasing the reservoir porosity from 20 % to 15 %, resulted in higher 
oil recoveries for all tested values for D coefficient. On the other side, 
increasing the pore volume (by increasing the porosity) resulted in a 
relatively lower oil recoveries compared to the base case. This is due to 
the change in volume of oil in place while keeping the volume of CO2 
injected constant. Decreasing the reservoir permeability-one order of 
magnitude in all directions, i.e., I, J, and K, did not much affect the 
calculated total RF. However, increasing the permeability from 30 mD to 
300 mD (in I and J directions) and from 10 mD to 100 mD (in the K 
direction), increased the recovery factor from 57.5 % to 75.2 % for the 
no diffusion scenario. Hence, it is obvious that increasing the reservoir 
permeability improved the gravity drainage of the crude oil through the 
horizontal well, see Fig. 7 or Fig. 2 for the well completion. It can be also 
observed in Fig. 12 that changing the injection rate in cases 5 and 6 
without considering the gas diffusion process, did not significantly affect 

the total oil recovery. However, with considering the measured D co-
efficient, the oil recovery increased by 5.84 unit if the injection was 
decreased to half of its original rate in the base case (see case 5 in 
Fig. 12). Similarly, the RF was decreased by 3.2 unit by increasing the 
injection rate in case 6 relative to its value in the base case (for the 
“Measured D” scenario). It should be noted that the injection rate affects 
the resident time of the fluids in the reservoir. At lower injection rates, 
the resident time is higher and there is more possibility and time for 
diffusions process to happen before the fluid leaving the reservoir 
through the production well. By comparing the oil recovery in the base 
case and in the cases 7, 8, and 9, one can observe that the effect of 
soaking time on the oil recovery becomes more significant with 
increasing the D coefficient, when the results are compared to the base 
case. This is due to the improvement in the contact time of the injected 
CO2 and the reservoir fluids which allows more gas to diffuse into the 
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crude oil. The simulation results of this study are consistent with pre-
vious findings available in the literature. For instance, Moortgat et al. 
[35] showed a positive impact of considering the gas diffusion process 
on improving the oil recovery in a sandstone formation with a high 
permeability as observed here. Additionally, the high oil recovery and 
lower CO2 utilization achieved by intermittent CO2 injection compared 
to continuous CO2 flooding were experimentally proved in a study by 
Seyyedsar et al. [45], which verifies the results of this study. 

Fig. 13 shows the incremental oil recovery only due to the gas 
diffusion process in the oil phase. As it was previously mentioned, three 
values of D coefficient were used, the lab measured D coefficient in 
addition to higher and lower D values calculated with 50 % uncertainty 
in the measured D value. It is clearly shown in Fig. 13 that the uncer-
tainty in the D coefficient can result in a wide range of changes in the 

calculated total oil recoveries. The lowest impact of the uncertainty in 
the D coefficient was found in the high permeability case (case 4) as the 
incremental oil recovery varies from 5.2 % to 8.6 % for the low D and 
high D coefficients, respectively. This is due to the high oil recovery 
obtained without including the gas diffusion, hence, the residual oil 
saturation is low compared to other cases. Additionally, the dominant 
recovery mechanism in the high permeability case is the gravity 
drainage as CO2 easily migrates and remains in the top section of the 
reservoir, therefore, the diffusion process has less impact on the oil re-
covery. The results here are consistent with Li et al. [58] and Wan et al. 
[44] results who showed that increasing the reservoir permeability had a 
minor impact on the gas penetration depth, controlled by CO2 diffusion 
during CO2 injection. On the other side, the highest impact of the vari-
ation in the D coefficient, as recognized from Fig. 13, was found in the 
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low gas injection rate case and the high soaking time case, as the in-
cremental RF reaches (in the high D scenario) 18 % and 16.8 %, 
respectively. It should be noted that decreasing the injection rate and 
increasing the soaking time during the intermittent CO2 injection 
improve the contact time between the injected CO2 and the reservoir oil 
that is important for the diffusion process. Hence, the role of gas diffu-
sion is more dominant, and consequently its effect on the oil recovery is 
more significant. The role of the soaking time can be clearly recognized 
by monitoring the difference between the incremental RF due to diffu-
sion in case 8 (high soaking) and case 9 (no soaking), as shown in 

Fig. 13. The effect of diffusion using the measured D coefficient resulted 
in 13.9 % incremental recovery in the high soaking case, while 7.5 % 
improvement in the RF was achieved in the continuous CO2 injection 
case (case 9). Previous studies have shown that increasing the soaking 
time significantly improved the injected CO2 penetration depth and the 
oil recovery as a consequence of improving the performance of the gas 
diffusion process [42,44,58] Therefore, the effects of the uncertainty in 
the D coefficient value for the low gas injection rate and the high soaking 
time cases are expected to be high as it was proved by our simulation 
results. For the low porosity case (case 1) and low permeability case 
(case 3), the impact of D coefficient is similar, but relatively higher 
compared to the gas diffusion effect in the base case. 

CO2 can also be stored in the reservoir during injection due to its 
trapping by different physics including diffusion. Fig. 14 shows the total 
gas trapping efficiency, calculated as cumulative CO2 stored

cumulative CO2 injected× 100. As shown 
in Fig. 14, the CO2 storage efficiency at the end of the injection process, 
increased from 15.4 % in the base case with no diffusion to 20.7 % in the 
high D coefficient scenario. Increasing the reservoir porosity improves 
the CO2 storage efficiency due to the higher volume of reservoir fluids 
available for gas storage. On the other side, in the lower porosity 
reservoir, the gas storage efficiency is lower compared to the base case. 
One can notice from Fig. 14 that increasing the reservoir permeability 
had a positive impact on the gas storage process during the GAGD 
intermittent CO2 injection especially when no gas diffusion or a low 
diffusion coefficient was used, relative to the base case. However, 
decreasing the reservoir permeability, to the values presented in Table 3, 
did not much affect gas storage if compared to the base case results. It 
can also be observed from Fig. 14 that the total CO2 storage efficiency at 
the end of the intermittent GAGD process was not sensitive to the 
changes in the injection rates and the soaking time when the gas diffu-
sion phenomenon was not included in the numerical simulation. This is 
influenced by the similar range of recovery factors obtained at the end of 

Table 3 
Model parameters used in the sensitivity analysis of the CO2 diffusion coeffi-
cient. ‘x’ means the same value as the base case and each case is tested at three 
different values of diffusion coefficient.  

Case 
Number / 
Model 
parameters 

Porosity, 
fraction 

Permeability 
(i, j, k), mD 

Injection 
rate per 
well 
(Mft3/ 
day) 

Soaking 
time 

D 
coefficient 
(m2/s) 

Base case 0.2 30, 30, 10 130 To  

80 × 10-9      

120 × 10- 

9      

40 × 10-9 

1 0.15 x x x 
2 0.25 x x x 
3 x 3, 3, 1 x x 
4 x 300, 300, 100 x x 
5 x x 65 x 
6 x x 260 x 
7 x x x To / 2 
8 x x x 2 × To 

9 x x x No 
soaking 
period  

Fig. 7. A 3D view of gas saturation distribution in the reservoir model at a cutting plane of J = 19, after 28 years of intermittent injection (no diffusion case).  
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Fig. 8. Gas (CO2) saturation distribution for intermittent CO2 injection at J = 19 (IK 2D cross-sectional view), with and without gas diffusion. (a) Gas (CO2) 
saturation distribution after 28 years of intermittent CO2 injection without considering CO2 diffusion. (b) Gas (CO2) saturation distribution after 28 years of 
intermittent CO2 injection with considering CO2 diffusion (using the measured D coefficient of 80 × 10-9 m2/s). 

Fig. 9. Global CO2 mole fraction distribution for intermittent CO2 injection at J = 19 (IK 2D cross-sectional view, with and without gas diffusion. (a) Global CO2 mole 
fraction distribution after 28 years of intermittent CO2 injection without considering CO2 diffusion. (b) Global CO2 mole fraction distribution after 28 years of 
intermittent CO2 injection with considering CO2 diffusion (using the measured D coefficient of 80 × 10-9 m2/s). 

Fig. 10. Effect of CO2 diffusion coefficient on CO2 oil mole fraction changes in a representative cell (30, 19, 8) during intermittent CO2 injection.  
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the injection process for cases 6–9. Therefore, the volume available for 
gas storage in the reservoir is more or less similar in these cases. 
Nevertheless, the gas diffusion process was found to affect the total 
volume of CO2 storage in the reservoir as it is illustrated in Fig. 15. 

Fig. 15 highlights the CO2 trapping by diffusion at the end of the 
injection process, calculated as the difference between the trapping ef-
ficiency with including gas diffusion and the trapping efficiency without 
including diffusion, CO2 Trapping by Diffusion = Trapping Eff 
iciency Diffusion − Trapping EfficiencyNo Diffusion). The impact of D coefficient 
uncertainty on gas storage for all studied cases can be clearly recognized 
in Fig. 15. For the base case, changing the D coefficient from the low 
value to the high value improved the gas trapping efficiency from 3.1 % 

to 5.2 %. Since the high porosity case (case 2) has the highest trapping 
efficiency (see Fig. 14), the effect of the D coefficient on the gas storage 
for the high porosity case is the highest among the studied cases, i.e., 
storage efficiency increased by 3 % when D coefficient increased from 
the low value to the high value. While the impact of the uncertainty in 
the D coefficient on storage decreased by reducing the reservoir 
porosity. On the other side, the lowest impact of the uncertainty in the D 
coefficient was found in the high permeability case (case 4). This can be 
related to the high oil recovery in this case, hence more pore volume is 
available for gas storage. Additionally, the high reservoir permeability 
improved the accumulation of the CO2 gas at the top of the reservoir, 
due to density difference, far away from the horizontal producer. 
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Therefore, the solubility trapping due to gas diffusion plays a minor role 
in the high permeability reservoir, yet the structural trapping by the 
effect of a sealed cap rock is more dominant in such reservoirs. It is also 
obvious in Fig. 15 that enhancing the contact time between the injected 
gas and reservoir oil improved the CO2 trapping efficiency by diffusion 
as more CO2 is allowed to transfer into the reservoir fluids. 

4. Conclusions 

This study focused on investigating intermittent CO2 GAGD in a light 

oil reservoir from the perspective of gas diffusion. The effect of CO2 
diffusion on both oil recovery and gas storage was discussed for various 
reservoir properties and operating conditions by using a compositional 
simulation model along with a tuned EOS. The impact of the uncertainty 
in the CO2 molecular diffusion coefficient on the performance of CO2 
EOR projects and the volumes of CO2 storage was also investigated by 
performing a series of simulations for the intermittent CO2 GAGD. The 
results of this study confirm that the effect of the uncertainty in the CO2 
diffusion coefficient value on both oil recovery and CO2 storage is pro-
nounced and cannot be ignored. Nevertheless, the impact of the gas 
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diffusion on the performance of CO2 injection in oil reservoirs is 
dependent on the value of the diffusion coefficient in the reservoir, the 
injection strategy and the rock properties and heterogeneity. For 
instance, in our study, having a high reservoir pressure and temperature, 
and a light reservoir oil resulted in having a large value of CO2 diffusion 
coefficient in the reservoir. Additionally, the tested injection strategy, i. 
e., intermittent CO2 GAGD, magnified the diffusion impact on the per-
formance of the injection process. The reservoir properties, e.g., 
permeability and lithology, are homogeneous in this study. Investigation 
of the uncertainty effect of CO2 D coefficient in heterogeneous oil res-
ervoirs under various CO2 injection strategies is left for future research 
work. For the cases investigated in this study and under our numerical 
simulation conditions, the following conclusions can be drawn:  

• Gas diffusion coefficient is a crucial parameter to be considered 
during simulating CO2 injection in oil reservoirs to be able to capture 
the real physics of CO2 flooding. 

• Although the simulation results showed similar CO2 saturation dis-
tribution for both cases; with and without considering gas diffusion, 
CO2 oil mole fraction distribution was significantly enhanced, even 
at the bottom layers of the reservoir, with considering the CO2 
diffusion process.  

• Oil recovery factor was found to increase by using higher input 
values of CO2 diffusion coefficient in the simulation models. Never-
theless, the effect of the CO2 diffusion on the oil recovery became 
more significant at the final soaking-injection/production cycles of 
the intermitted CO2 injection as the CO2-oil contact time was 
enhanced.  

• For the base case, the total oil recovery obtained by the intermittent 
CO2 injection, with considering the measured value of the D coeffi-
cient, was increased by 11.4 unit over the total recovery factor of the 
same simulation model but when gas diffusion was not accounted 
for. 

• Compared to the base case simulation results, increasing the reser-
voir porosity resulted in lower oil RF for all tested values for D co-
efficient. However, increasing the reservoir permeability by one 
order of magnitude in all directions significantly improved the total 
oil recovery due to the dominance of gravity drainage of oil.  

• The effect of the gas injection rate and soaking time on the oil RF and 
CO2 storage was not noticeable for the no diffusion cases when 

compared to the base case. On the other side, the roles of the injec-
tion rate and soaking time on the oil recovery and gas trapping ef-
ficiency were found to be significant with considering the gas 
diffusion.  

• The uncertainty in the CO2 D coefficient resulted in wide ranges of 
changes in the calculated total oil recoveries and CO2 storage effi-
ciency. The lowest impact of the uncertainty in the D coefficient was 
found in the high permeability case. While, decreasing the gas in-
jection rate or increasing the soaking time magnified the impact of 
the uncertainty in the CO2 D coefficient.  

• CO2 trapping efficiency was highly affected by the uncertainty in the 
D coefficient for most of the studied cases with the highest impact of 
the D coefficient shown in the high porosity case. 

• It is anticipated that accurate quantification of the effect of the un-
certainty in the CO2 diffusion coefficient is essential for gas injection 
projects to correctly predict the gas flooding performance. 
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